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Abstract: The pore structure of shale oil reservoirs is complex, and the microscale and nanoscale
effect is obvious in the development of shale oil reservoirs. Understanding the oil flow mechanism in
shale reservoirs is essential for optimizing the development plan and enhancing the recovery rate
of shale oil reservoirs. In this review, we briefly introduce the occurrence status of shale oil and
shale oil flow in the inorganic matrix and the organic matrix (including the shrinkage of kerogen,
oil diffusion in kerogen, oil transport in the organic pore channels, coupling of diffusion, and fluid
transport in the organic matrix). Then, the shale oil microflow simulation and a coupling model
of double-porous media for microflow and macroflow in the production process of shale oil are
discussed. Finally, we summarize the main conclusions and perspectives on the oil flow mechanism
and numerical simulations in shale oil reservoirs. An accurate description of shale oil occurrence
status and shale oil flow in the inorganic and organic matrices is crucial for the numerical simulation
of shale oil reservoirs. It can provide a basis and reference for the future directions of shale oil flow
and numerical simulations during the development of shale oil reservoirs.

Keywords: shale oil; occurrence status; flow mechanism; inorganic matrix; organic matrix; numeri-
cal simulation

1. Introduction

The US has achieved energy independence through the shale oil and gas revolution,
and the US Energy Information Administration (EIA) estimated that, in 2021, approximately
2.64 billion barrels (or approximately 7.23 million barrels per day) of crude oil were pro-
duced directly from tight oil resources in the United States. This equated to approximately
64% of the total US crude oil production in 2021 [1], while China’s foreign dependence on
crude oil in 2020 was as high as 73.5%, far exceeding the 50% safety alert line [2]. China’s
energy crisis urgently needs to be addressed. Zhao et al. [3] estimated that the recover-
able resources of shale oil with low–medium maturity of China’s continental shale oil is
approximately (700–900) × 108 t. China’s shale oil resources have great potential, and the
efficient recovery of shale oil is of great significance for China’s energy independence and
national security.

Shale oil is liquid crude oil or condensate oil that occurs in shales or hard rock masses,
unlike crude oil in the fine sand of ordinary oil fields, which cannot be self-injected with the
underground pressure [4–6]. The permeability of shale oil reservoirs is extremely low, and
the shale oil flow in nanoscale pores is different from that in macroscopic conditions. The
complexity of shale oil flow is exacerbated by the surface effects, flow diffusion, viscosity
effects, slip effects, and network structures of the topological features in nanostructures [7,8],
which result in the inability of the Darcy and Navier–Stokes equations to accurately describe
the fluid flow behavior [9]. In recent years, many scholars have considered the microscopic
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effects in the description of the shale oil flow mechanism by introducing the apparent
permeability to modify the Darcy equation [10–14]. This correction often takes into account
the presence of liquid slip and viscosity/density inhomogeneity in the contact part of
the oil with the solid wall. Theoretical models usually simplify the shale pore space into
cylindrical nanotubes and divide the flow of shale oil in the pore space into different regions:
the near-wall region and bulk region. However, this simulation simplifies the roughness
and complexity of shale nanopore surfaces, ignores the specific processes of molecular
interactions between solid–liquid interfaces, and does not consider the multicomponent
nature of shale oil. In recent years, many researchers have used numerical simulation
methods [15–17] to build more realistic models of shale oil flow, which fully consider the
effects of various microscopic factors on the flow mechanism.

Due to the complex pore structure characteristics of shale rocks, experimental studies of
shale oil flow mechanisms take a long time and require many measurement instruments [18,19].
However, if the study is combined with numerical simulation techniques, it can both im-
prove efficiency and theoretically explain the shale oil flow mechanism. At the microscopic
level, molecular dynamics simulation (MDS) can simulate the fluid–solid molecular inter-
actions at the molecular scale [20–26], and the lattice Boltzmann method (LBM) provides a
bridge from the microscopic to the macroscopic level for shale oil flow and is suitable for
dealing with flow problems in complex pore structures [27–30]. A pore network model
(PNM) replaces the pore structure of the real core with a simplified network model and uses
percolation theory as the controlling equation of the fluid flow, which can efficiently simu-
late the percolation process of shale oil [31–33]. From a macroscopic point of view, hydraulic
fracturing technology is used to improve the overall permeability of the reservoir and, thus,
increase the recovery rate of shale oil. The flow of shale oil in hydraulic fractures follows
Darcy’s law. In addition, numerical simulation methods commonly used for hydraulic
fracture expansion are the extended finite element method (XFEM) [34–36], displacement
discontinuity method (DDM) [37–42], and discrete element method (DEM) [43–45]. By
establishing a mathematical model of coupled shale oil microflow and macroflow, the shale
oil production process can be simulated more realistically and accurately, and the influence
of various parameters on shale oil production can be studied.

In this study, we review the recent advances and the occurrence status of shale oil and
shale oil flow in the inorganic matrix and the organic matrix, such as shrinkage of kerogen,
oil diffusion in kerogen, oil transport in the organic pore channels, coupling of diffusion,
and fluid transport in the organic matrix. Then, the shale oil microflow simulation and the
reservoir numerical simulation method of shale oil are analyzed. Finally, we summarize
the main conclusions and perspectives of the oil flow mechanism and numerical simulation
in shale oil reservoirs.

2. Oil Flow Mechanism in Shales

Shale oil is lodged in the micropores and nanopores of shale rocks, and the Knudsen
number (Kn) is a very important parameter of the fluid flow at the microscale and nanoscale.
Roy et al. [10] divide the fluid flow into four regions via Knudsen number, as shown in
Figure 1. Due to the small average free range of shale oil molecules, many scholars believe
that the Knudsen number of shale oil flowing in nanopores is Kn < 0.1; therefore, the
current study regarded the flow of shale oil in nanopores as following the continuity
assumption [30,46]. However, actual shale oil flow is higher than the value calculated
using the traditional Darcy’s law and continuity assumption because diffusion and slip
phenomena, etc., need to be considered in such nanopores [12,47,48]. Some scholars are now
correcting the traditional Darcy’s formula by introducing the apparent permeability [13,49].
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Figure 1. Sketch of the microscale gas flow regime [10].

2.1. Shale Oil Occurrence Status

Organic matter in shale can be divided into free state, adsorbed state, and dissolved
state [50,51]. Generally speaking, free oil is mainly composed of light hydrocarbon compo-
nents with good fluidity, mainly in the pore joints, microfractures, layer interstices, and
matrix pores with a relatively large pore throat diameter [52]. Adsorbed oil is mainly
composed of medium–macromolecule components with poor mobility, mainly by physical
adsorption and noncovalent bonding chemisorption on the surface of rock minerals and
inside and outside the rigid macromolecular skeleton of the kerogen [53,54], primarily
in organic pores, pyrite intergranular pores, and clay mineral intergranular pores [55].
Dissolved oil comes mostly in the form of medium–small molecule fractions, mainly in
the form of the small molecule mobile phase enveloped by the internal network structure
of kerogen, as well as in the form of asphaltene and residual dissolved water [56]. After
the generation of hydrocarbons, residual hydrocarbons are reabsorbed into the kerogen
skeleton, which causes the volume expansion of kerogen [57], and this part of the soluble
organic matter is mainly stored in the kerogen macromolecular meshwork, as shown in
Figure 2. The relative solubility of the different compounds in petroleum varies in kerogen,
indicating that kerogen retains different hydrocarbon components differently [58].
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Based on the capillary bundle model, Li [48] established the fugacity and percolation
state of shale oil in shale reservoirs, and he used large pore size capillaries to represent
inorganic pores and a small pore size to represent organic pores, as shown in Figure 3. The
yellow color represents free shale oil, the light gray color represents an inorganic sandstone
reservoir, and the dark gray color represents kerogen. When mining causes a decrease in
the pressure on one side of the reservoir, the free shale oil in the pore will flow to the left
side due to the expansion of the shale skeleton and fluid. As this flow proceeds, the shale
oil content in the organic pore decreases, and the concentration of shale oil inside kerogen
increases, which constitutes the wall surface of the organic pore. The concentration of shale
oil inside kerogen is higher due to the concentration difference, thus causing shale oil to
diffuse from the inside of kerogen to the organic pore. When shale oil enters other organic
pores, some of the shale oil diffuses back into kerogen due to the complex interactions
between the shale oil molecules and kerogen wall surface. The above process reflects the
flow state of shale oil in shale.
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Figure 3. Schematic of oil flowing in inorganic and organic media [48].

Shale pores are divided into organic and inorganic pores, as shown in Figure 4, and
both hydrocarbons and water can flow in both types of pores [59,60]. The wettability of oil
and water in the two pores is different due to their different compositions, and in organic
pores, the wettability also changes with the thermal maturity of the casein, which has a
significant effect on fluid flow in organic matter [61].

Energies 2023, 16, x FOR PEER REVIEW 5 of 24 
 

 

 
Figure 3. Schematic of oil flowing in inorganic and organic media [48]. 

Shale pores are divided into organic and inorganic pores, as shown in Figure 4, and 
both hydrocarbons and water can flow in both types of pores [59,60]. The wettability of oil 
and water in the two pores is different due to their different compositions, and in organic 
pores, the wettability also changes with the thermal maturity of the casein, which has a 
significant effect on fluid flow in organic matter [61]. 

 
Figure 4. Schematic of different fluids imbibition process and storage space in shale: (a) water only 
imbibe into inorganic pores; (b) oil imbibe into both organic and inorganic pores [62]. 

2.2. Shale Oil Flow in the Inorganic Matrix 
In inorganic pores, due to the differences in energy, shale oil flow will follow Darcy’s 

law and the continuity equation. In a one-dimensional problem, the governing equation 
of the shale oil flow can be described as follows: 𝑢 = −1𝜇 𝑘 (𝛻𝑝) (1)

𝜕(𝜙 𝜌 )𝜕𝑡 = −𝛻 ⋅ (𝜌 𝑢 ) (2)

Figure 4. Schematic of different fluids imbibition process and storage space in shale: (a) water only
imbibe into inorganic pores; (b) oil imbibe into both organic and inorganic pores [62].



Energies 2023, 16, 3516 5 of 23

2.2. Shale Oil Flow in the Inorganic Matrix

In inorganic pores, due to the differences in energy, shale oil flow will follow Darcy’s
law and the continuity equation. In a one-dimensional problem, the governing equation of
the shale oil flow can be described as follows:

uinorg = − 1
µ

kinorg(∇p) (1)

∂
(

φinorgρ f

)
∂t

= −∇ ·
(

ρ f uinorg

)
(2)

where uinorg is the velocity of the fluid in inorganic pores; µ is the fluid viscosity; kinorg is
the inorganic permeability; p is the reservoir pressure; φinorg is the inorganic porosity; and
ρ f is the fluid density.

Li [41] obtained the following equation based on the above equation through a series
of derivations:

φinorgρ f

(
c f +

φo
inorg

φinorg
cr

)
∂p
∂t

=
∂

∂x

(
ρ f

µ
0.01792rinorg

2φinorg
2 ∂p

∂x

)
(3)

where rinorg is the characteristic radius of the inorganic pore; c f is the fluid compression
coefficient; p0 is the initial pressure; ρo

f is the initial density; cr is the compression coefficient

of the inorganic matrix; and φo
inorg and p0 are the initial porosity and initial pressure,

respectively.
In addition, he believed that the inorganic pore cross-sectional area is proportional to

the porosity and can be expressed as follows:

rinorg
2 = ro

inorg
2 φinorg

φo
inorg

(4)

where ro
inorg is the initial inorganic pore radius. The numerical solution of shale oil flow in

inorganic pores can be obtained by integrating Equation (4) into Equation (3), and then the
numerical solution of shale oil flow in inorganic pores can be obtained by discretization
and constructing the iterative solution format of the above equation.

The reservoir extraction process often contains water intrusion, and the presence of a
water phase makes a big difference in the flow state of oil in inorganic pores. Li et al. [63]
considered oil slippage at the solid–oil boundary in inorganic pores under dry conditions,
and water slippage was considered at the solid–water boundary during water–oil two-
phase flow. An analytical model of oil–water two-phase flow is provided, as shown in
Figure 5. The relative permeability curves of oil–water two-phase flow in inorganic pores
were obtained.
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Huang et al. [64] investigated the effect of solid–liquid–gas three-phase flow in the
shale oil production process via the numerical simulation method. In multiphase flow, the
flow characteristics are usually characterized by relative permeability, and wettability is
an important parameter affecting the relative permeability. In the study, they found that
the oil–water contact angle and oil–gas contact angle in inorganic matter have significant
effects on production and that the relative permeability of inorganic pores is the main
factor controlling the total shale oil production, as shale oil often passes through inorganic
pores before flowing into the fractures of hydraulic fracturing due to the dispersion of
organic matter.

2.3. Shale Oil Flow in the Organic Matrix

Shale oil in organic matter is shale oil dissolved in the kerogen and shale oil endowed
in the nanoscale organic pores of the kerogen. The flow of shale oil in an organic matrix is
different from that in an inorganic matrix, mainly because the permeability of an organic
matrix is much lower than that in an inorganic matrix, and the oil flow in an organic matrix
is coupled with diffusion, which does not occur in an inorganic matrix [65]. Considering the
multiple factors that affect the flow of shale oil in organic pores and their complexity, the
Darcy permeability in the traditional sense needs to be revised. Xu et al. [49] developed a
two-fluid system model based on MDS data to calculate the oil flow in a single nanopore and
established the stochastic apparent permeability model to facilitate engineering calculations.
Many researchers are also currently characterizing the flow of shale oil in shale porous
structures by introducing apparent permeability to characterize all influencing factors. In
order to have a more realistic and clear understanding of the mechanism of shale oil flow in
organic pores, many scholars have studied oil flow in organic matter through experiments
and numerical simulations in recent years.

In organic matter, shale oil flows for two different reasons: (1) diffusion due to the
differences in concentrations; (2) fluid transport due to the differences in pressure. Corre-
spondingly, they will result in different equations of flow states.

2.3.1. Shrinkage and Expansion of Kerogen during Shale Oil Flow

Kerogen refers to all oil-forming and coal-forming organic materials, and it swells
when it is filled with hydrocarbon molecules and shrinks as hydrocarbon is desorbed. Sang
et al. [62] found that 6% to 55% of the oil was in organic matter when the shale samples
were saturated with shale oil by single-phase vacuum-imbibition tests on 20 shale samples
and that 50% to 90% of this oil deposited in organic matter was ad-/absorbed in kerogen,
where the absorbed oil was dissolved in the kerogen skeleton, while adsorbed oil was oil
adsorbed on the surface of the kerogen; therefore, absorbed oil does not flow as easily
as adsorbed oil. When the shale oil flows in the shale, part of the oil enters the organic
pore (i.e., the kerogen pore), and this part of the oil will be absorbed oil and adsorbed
oil in the kerogen matrix, resulting in a reduction of the organic pore size, as shown in
Figure 6. In addition, when the well has been producing for some time, the decrease in
the formation pressure leads to the desorption of hydrocarbons from the surface of the
kerogen and shrinkage of the kerogen, which in turn leads to an increase in the pore size of
the organic matter, as shown in Figure 7. In this process, the contraction and swelling of
kerogen corresponds to the decrease and increase in the organic pore permeability.
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Based on the assumption that the volume expansion of the kerogen caused by ad-
sorption is proportional to the amount of dissolved oil in the kerogen [66], Li [48] derived
the numerical iterative algorithm for calculating the pore size of organic matter after the
shrinkage of kerogen.
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2.3.2. Oil Diffusion in Kerogen

The Knudsen number of shale oil flowing in nanopores is considered to be less than
0.1, and the effects of Knudsen diffusion and surface diffusion are generally not considered.
However, when shale oil flows in kerogen, the shale oil dissolved in the kerogen may
be diffused by the concentration difference. Moreover, in the experiments conducted by
Sang et al. [62], while performing the process of restoring the saturation of shale oil in
kerogen via vacuum suction and expansion, it was found that the amount of oil inhaled
was greater than the original pore capacity of kerogen, which means that the shale oil
underwent adsorption and dissolution during the flow in the pores of kerogen and the
diffusion behavior of shale oil into the organic matter wall.

In addition, Li [48] argues that in the computational model the oil in the kerogen will
diffuse into the pores of the kerogen due to the concentration difference during the flow of
shale oil. Considering how time dependent the diffusion of dissolved oil is, he argues that
the diffusion in the kerogen during the flow of shale oil is in accordance with Fick’s second
law and provides the controlling equation for the radially unsteady expansion of shale oil
in the kerogen as follows:

∂c
∂t

=
1
r

∂

∂r

(
Dr

∂c
∂r

)
=

D
r

∂c
∂r

+ D
∂2c
∂r2 (5)

where c is the concentration of dissolved oil; r is the layer thickness of kerogen in the shale
matrix; and D is the diffusion coefficient.

Considering the diffusion behavior of shale oil with the organic matter wall of the
kerogen, it is equivalent to introducing a source/sink term in the actual model calculation
process. Moreover, the diffusion of shale oil corresponds to the contraction and expansion
behavior of the aforementioned kerogen, and the change in the organic matter porosity
should be considered at this time, which also reflects the complex coupling between
multiple variables in the shale oil flow process.

2.3.3. Oil Transport in the Organic Pore Channels

We refer to the flow of shale oil in organic matter driven by pressure as the transport
of oil in organic pore channels. Since many strong interactions occur between shale oil
molecules in organic pore and organic matter wall molecules, such as electrostatic force,
van der Waals force, and hydrogen bonds [65]. As a result, an increase in resistance to the
flow of shale oil and impedance of the flow transport of oil, the presence of adsorption
layers in the part of the oil in contact with the pore wall, the presence of velocity slip,
and inhomogeneous phenomena of fluid viscosity/density are usually considered. Su
et al. [67] summarized four theoretical models to characterize the flow of a single nanopore,
which considered the effect of solid–liquid intermolecular interaction forces on the flow,
and finally characterized the flow of shale oil in the pore by calculating the modified
Darcy permeability.

Zhang et al. [30] developed a single-phase flow nanopore model in a single nanopore
and the nanoporous shale, as shown in Figure 8.
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As seen in Figure 8, there are two regions with different transport properties, including
a bulk region with a thickness of rb and a near-wall region with a thickness of r0 − rb. The
properties of the bulk region are the same as the unconfined oil, while the properties of the
near-wall region are strongly dependent on the relative strength of the oil intermolecular
interaction and the oil–wall interaction. r0 is the radius of the nanopore, while lst is the
slip length without considering the change in the viscosity with position. When the fluid
viscosity near the wall is higher than that in the central region, the slip length is lhv; while
the slip length is (lst + llv) when the fluid viscosity near the wall is lower than the central
region. In addition, the fluid flow in both regions conforms to the continuity assumption,
the flow control equation for both regions can be expressed as follows: [68]

µb
r

∂

∂r

(
r

∂vb
∂r

)
=

∂p
∂z

, r ∈ [0, rb] (6)

µnw

r
∂

∂r

(
r

∂vnw

∂r

)
=

∂p
∂z

, r ∈ [rb, r0] (7)

where µb and µnw are the dynamic viscosity of oil in the unconfined standard state and the
near-wall oil, respectively; vb and vnw are the oil velocities of the bulk region in the axial
direction of the pore and the near-wall oil in the axial direction of the pore.
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By introducing boundary conditions, the integration yields that the equation for the
flow of shale oil in the nanopores of the organic matrix of the shale can be expressed as

q =
ϕ

τ

π

8µb

[
rb

4 +
µb

µnw

(
r0

4 − rb
4 + 4r0

3lst

)]∇p
L

(8)

where q is the total volumetric flux of oil transport in a circular nanopore; ∇p/L is the
externally applied pressure gradient with a pore length of L; τ is the bending coefficient;
and ϕ is the porosity.

According to Darcy’s equation, the liquid flow rates through the system can also be
given by

q = KAOP,NP
A
µb

∇p
L

(9)

That is, through comparing Equations (8) and (9), the apparent permeability of shale
oil at the nanopore scale is obtained as

KAOP,NP =
ϕ

8τ

[
rb

4

r02

(
1− µb

µnw

)
+

µb
µnw

(
r0

2 + 4r0lst

)]
(10)

Among them, the slip length of shale oil in organic and inorganic pores (lst) and the
fluid viscosity at the pore wall (µnw) are the key parameters for calculating the apparent
permeability of the two different pores, and this difference is caused by the different wetting
characteristics of shale oil in the two pores, which can be obtained using empirical equations
and multi-parameter fitting. The calculated results of the model were compared with the
molecular dynamics simulation results, and the two were in better agreement, as shown in
Figure 9. The results show that the oil has a relatively small slip length in inorganic pores
with a parabolic velocity distribution, while the slip length in organic pores is so large
that the velocity distribution changes from being parabolic to plunger-like. They provide
a possible explanation, as when oil is transported on the surface of organic nanopores,
the alkane molecules adsorbed on the pore surface can move freely, similar to the surface
diffusion of adsorbed gaseous hydrocarbons.

Many researchers have used carbon nanotubes or slits constructed by graphene instead
of organic matter pores and single-component alkanes, such as decane and n-octane, instead
of shale oil to investigate the flow mechanism of shale oil in organic matter pores via
experimental methods. However, this simulation is too simplified and tends to overestimate
the flow ability of oil in kerogen. Zhao et al. [65] simulated shale oil with a single component
n-dodecane by conducting two-core series tests in shale oil cores to obtain more realistic
simulation results. They proposed the concept of threshold stress; when the effective
stress on the organic matrix reaches this threshold stress, the oil will be squeezed into
the surrounding inorganic pores. The experimental results show that the flow of shale
oil was affected by the permeability of organic and inorganic matrices, the stiffness of the
inorganic matrix, pressure drawdown, and the matrix size. In addition, Li [48] concluded
that the flow pattern of shale oil in organic pores is like that in inorganic pores, but he did
not consider the compressibility of the rock matrix in his calculations and argued that the
change in porosity due to the shrinkage of the kerogen in organic matter is much greater
than the effect of the change in the compression of the rock matrix. Moreover, he introduced
a source term by considering the release of hydrocarbons from the shrinkage of kerogen.
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From the above model, the velocity slip and viscosity inhomogeneity at the near-wall
region play a key role in the flow of shale oil in organic pores, and the difference in the
fluid flow properties between the near-wall surface and the bulk region is directly related
to the thermal maturity or wettability of organic pores [69,70]. Wu et al. [71] concluded
that the true slip length depends on the contact angle, and the apparent slip length, due to
the viscosity inhomogeneity, is a function of wettability, as well as the dimension, and they
modified the Hagen–Poiseuille equation to establish the confined water flow model and
found that the water flow capacity was enhanced by 10−1 ∼ 107 times by considering the
effect of the wettability and dimension. The model was also applicable to shale oil flow
in organic pores, explaining why small-sized organic pores have a stronger flow capacity
than large-sized inorganic pores. Yassin et al. [72] found a positive correlation between the
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maturity and wettability of organic matter. Therefore, shale oil flow is more difficult in the
pore space of kerogen with a high maturity of organic matter.

2.3.4. Coupling of Diffusion and Fluid Transport in the Organic Matrix

The diffusion transport coupling of shale oil is due to the occurrence of complex
molecular interactions, manifested by boundary slip effects and viscosity/density inho-
mogeneous properties. Considering the complexity of the diffusion–transport coupling
of dissolved oil in the kerogen, many scholars also calculate the apparent permeability by
introducing an overall apparent permeability to calculate the flow properties of shale oil
to obtain a percolation equation that facilitates engineering calculations. A few scholars
describe transport and diffusion through independent equations; for example, Li et al. [46]
considered the time dependence of the dissolved oil release in the kerogen and established
the coupling of the radial diffusion of the dissolved oil in the kerogen with axial Darcy flow
in the organic pore via numerical methods.

At present, many researchers have established numerical models of oil flow in kerogen
to simulate the flow of multicomponent hydrocarbon mixtures in real kerogen via numerical
simulations, considering the roughness of the kerogen surfaces and geometric properties,
the multicomponent properties of shale oil, and the interactions between shale oil molecules
and organic pore wall molecules.

3. Numerical Simulation Methods in Shale Oil Flow

Although shale oil flow in shale pores can be studied through physical laboratory
experiments to measure key parameters, such as apparent permeability, experimental
studies of shale oil flow in shale pores at the microscale and nanoscale inevitably require
a lot of time and the use of sophisticated and expensive experimental instruments with
demanding experimental conditions and requirements, especially regarding the accuracy
of the measurements. However, by studying the shale oil flow mechanism and establishing
a mathematical model of shale oil flow, the shale oil flow can be simulated and studied
by means of computer numerical simulation. In recent years, many scholars have studied
shale oil flow via numerical simulation, and many useful conclusions have been drawn.
Numerical simulation studies are divided into two major categories regarding the current
shale oil flow simulations: microscopic and macroscopic. The main simulation methods for
shale oil microflow are MDS, LBM, and PNM. The main simulation methods for hydraulic
fracture expansion in shale reservoirs are XFEM, DDM, and DEM. A dual-porosity model
couples macroscopic and microscopic flows of shale oil to simulate the shale oil production
process. Based on different theoretical foundations, different simulation methods have
their own scope of application, advantages, and disadvantages.

3.1. Shale Oil Microflow Simulation
3.1.1. Molecular Dynamics Simulation

MDS uses Newton’s laws of motion to simulate the trajectories of atoms or molecules in
a multibody system and calculates the structure and properties of the system by statistically
averaging the ensemble of its different states. For equilibrium systems, statistical averages
of physical quantities can be obtained by appropriate time averaging; for non-equilibrium
systems, physical phenomena occurring within a molecular dynamics observation time
can be simulated. For example, Wang et al. [20] analyzed the molecular structure and
diffusion characteristics of n-octane within the slit (pore throat diameter: 1.7–11.2 nm)
using equilibrium molecular dynamics (EMD) simulations; calculated the velocity profile,
fluid viscosity distribution, and slip length of n-octane within the slit (pore throat diameter:
1.7–11.2 nm) using nonequilibrium molecular dynamics (NEMD) to calculate the velocity
profile, fluid viscosity distribution, and slip length within the slit; and found that the flow
of octane in the middle region of the quartz nanopore tends to be bulk-liquid-like, while the
diffusion is much slower in the region near the wall, and there are obvious velocity and slip
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changes in the flow of alkane fluid in the inorganic pore driven by external forces-induced
slippage and viscosity changes, as shown in Figure 10.
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Due to the fact that MDS can obtain many microscopic details that are not available in
experiments, explain difficult experimental phenomena, and reveal the occurrence mech-
anism, it has been widely applied in the study of shale oil and gas flow mechanisms in
recent years. MDS has demonstrated excellent roles in revealing shale oil and gas adsorp-
tion mechanisms, solid–liquid interactions and liquid-liquid interactions, and revising or
establishing new transport mechanics equations. For example, Falk et al. [21] demonstrated
that due to strong molecular adsorption, the flow of an alkane fluid in kerogen cannot
be described by the conventional Darcy’s law and proposed a microscopic description of
permeability based on statistical mechanics. Liu et al. [22] investigated the inhomogeneous
distribution of the density and fraction of shale oil in the organic matter of kerogen via
MDS, as shown in Figure 11. It was found that the heavy fraction was concentrated in
bulk phase regions, and the light fraction was concentrated at the boundary layer of the
wall due to the reflection effect of the wall of kerogen. The velocity distribution of the
bulk phase regions showed a plug flow when the external force increased, while there was
a half-parabolic distribution at the boundary layer. The velocity distribution of the bulk
phase regions showed a plug flow when the external force increased, while the boundary
layer showed a half-parabolic distribution.

Zhang et al. [26] established two mathematical models, the apparent viscosity model
and the liquid–liquid slip model, based on the oil–water two-phase flow phenomena
demonstrated by molecular dynamics simulations, and validated the modified mathe-
matical models by comparing them with the results of molecular dynamics simulations
and the previous models that did not consider the liquid–liquid interface phenomena. In
addition, we can not only establish more accurate mathematical models via MDS, but also
use the flow parameters obtained from MDS as known conditions for other larger-scale
simulation methods.
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Although the results of MDS are accurate, researchers are currently facing the follow-
ing problems when using MDS: the computation is very large, and the current scale that
can be simulated is very small, generally in the tens of nanometers, so it is not possible to
directly simulate fluid flow in complex porous media; the credibility of MDS results mainly
depends on the accuracy of the interatomic interaction potential; for rock samples with
complex compositions, it is also a challenging topic to build more accurate whole-molecule
models of shale oil and molecular structures that are closer to that of kerogen.
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3.1.2. Lattice Boltzmann Method

LBM is a mesoscopic approach between the microscopic (molecular) and macroscopic
(continuum) scales, which can easily handle fluid flow in complex structures and is be-
coming an effective tool for simulating fluid flow in porous media. Through parallel
computation and algorithm simplification, it is able to reduce computational resources to a
large extent. M.P. Lautenschlaeger et al. [17] proposed a simple and effective LBM that is
particularly suitable for non-homogeneous porous media with good numerical stability
and has many application scenarios, including, of course, shale oil–water flow. LBM is a
direct numerical simulation method, using MDS to obtain microscopic parameters such
as the velocity/density distribution of shale oil in organic or inorganic nanopores, fitting
velocity/density distribution through LBM single nanopore simulation to obtain lattice
parameters such as slip length and solid–liquid interaction force, and finally extending
single nanopore shale oil flow to complex porous media flow based on this fitted lattice
parameter to further study the influence mechanism of complex parameters such as non-
homogeneous wetting and pore geometry on apparent permeability [73–75]. For example,
Zhang et al. [27] introduced the interaction between water molecules and solid walls into
the LBM equation and proposed a mesoscopic LBM to capture the density distribution and
velocity distribution of water flowing in nanopore channels, as shown in Figure 12.
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Similarly, Zhao et al. [28] expressed the molecular interaction between water and
solid walls in terms of real and apparent slip, and by fitting a large number of numerical
simulation results of LBM, a nanopore water flow model with different cross-sectional
shapes was established and expressed as the following empirical equation, which is easily
applicable for widespread use in engineering.

Q =
A2

µ(d)

[
a + b

(cos θ + 1)−2
√

A
+ cG + dG2 + e

(cos θ + 1)−2
√

A
G

]
∆p (11)

Where the coefficients a− e denote empirical constants [28]; Q is the flow rate; A is
the cross-sectional surface area; ∆p represents the pressure drop; G is the shape factor;
θ indicates the contact angle; and µ(d) is the effective viscosity, i.e., a constant in a water–
nanopore system with a specific dimension.

At present, most scholars use LBM to study the flow law of water in nanoporous media,
and the proposed model can also be used to study the flow of shale oil in nanoporous
media. The key points to account for when using LBM to study shale oil and gas flow [76]
are how to accurately consider the solid–liquid interaction and liquid–liquid interaction,
how to consider the wall roughness, the development of new wall boundary treatment
methods, and the introduction of new wall force models, etc.

3.1.3. Pore Network Model

A PNM abstracts the rock as a network consisting of large spatial pores and narrow
spatial pore throats, which are the smallest computational units in the simulation of the rock
flow process [77,78]. The advantage of a pore network is that it can reflect the geometric
topology and connectivity of the core in a more realistic way. The pore space is only used
as a storage space during the calculation, and the flow and pressure in the pore throat
can be calculated directly by applying existing mechanical laws without simulating the
details of body flow; so, the calculation is very efficient compared to LBM and suitable
for studying the shale oil flow mechanism at the microscale [79]. Based on the modified
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shale oil flow equation, Yang et al. [80] established a new PNM to investigate the effects
of slip length and the adsorption effects on shale oil permeability and found that shale oil
flow is mainly controlled by inorganic pores at low TOC, while the connectivity between
organic pore throats is improved with increasing organic matter content. In recent years,
traditional PNMs have used ball-and-stick models without considering the characteristics of
the true pore structure, and a fast and accurate calculation method has been established by
combining the PNM with direct simulation. Zhao et al. [81] found that the accuracy of the
computational model is inversely proportional to the computational speed by comparing
three sets of numerical simulations of single-phase fluids in porous media, as shown in
Figure 13. They concluded that, in order to obtain an efficient and accurate model, it is a
good choice to first simplify the real pore network to some extent and then compute it by
LBM, and this method was called the improved pore network model (IPNM).
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There is nothing special in the calculation method of PNM. PNM can be calculated by
applying the existing laws of mechanics, and whether it is properly applied depends mainly
on the construction of the pore network. In recent years, especially with the popularization
and application of FIB/SEM technology, it has become a trend to build a more seamless
pore network, so the construction of the pore network from core microscopic images has
caused PNM to be more widely used [82]. Adding structural features, mineral components,
and surface structural properties of rock samples into the pore network is a problem to
be considered by PNM. In fact, PNM can be used as an effective tool to upscale MD (or
LBM) results. PNM can reflect the basic characteristics and connectivity of rock structure
but can also easily integrate MD (or LBM) results into it, and at the same time, PNM is
computationally efficient compared with the other two methods, which facilitates a larger
range of flow simulation calculations.
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3.2. Shale Oil Microflow and Macroflow Coupling Model

In recent years, the development of hydraulic fracturing and horizontal well drilling
technologies has made it possible to commercially exploit shale oil and gas resources
endowed in low permeability rocks. As we know from the previous part of this article,
shale oil flows in nanoscale pores in the shale matrix subject to many micromechanical
behaviors that result in the flow of shale oil in nanopores that cannot be described by the
conventional Darcy’s law. However, fractures formed by hydraulic fracturing reach the
millimeter level, and compared to the flow of shale oil and gas in the shale matrix, it is
believed that the flow of shale oil in artificial hydraulic fractures belongs to the macroscopic
flow of shale oil and the microscopic effects can be neglected, so the flow can be described
by Darcy’s law.

There are many studies on shale oil microflow and macroflow mechanisms, and
researchers have developed their own theoretical models. Coupling shale oil microflow
and macroflow is crucial for shale reservoir development. Quintard et al. [83] derived the
following exact equivalent permeability equation from the large-scale averaging method
for the two reservoirs with the layered arrangement shown in Figure 14.

K = f1K1 + f2K2 +

f1 f2(K1 − K2) ·
(

1 0
0 0

)
· (K2 − K1)

(1, 0) · ( f1K2 + f2K1) ·
(

1
0

) (12)

Where K1, K2 is the permeability tensor of the two media; and f1, f2 is the proportion of the
two media, ( f1 + f2 = 1).
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If the permeability of the medium is a scalar, it is obtained from Equation (12)—Kxx =
K1K2/( f1K2 + f2K1), Kxy = Kyx = 0, Kyy = f1K1 + f2K2—i.e., the equivalent permeability
is a harmonic average in the x-direction and an arithmetic average in the y-direction. This
approach to dealing with permeability inhomogeneities acts as a guide for the coupling
microscopic and macroscopic flows in shale oil [84]. If one considers the flow of shale oil in
matrix and hydraulic fractures as flow in two porous materials with different permeabilities,
then averaging these two different permeabilities in a certain way (harmonic average,
arithmetic average, geometric average, etc.), will yield a “rough permeability” that can be
applied in engineering. However, the hydraulic fracture orientation is very complex in
production practice, and it is difficult to use large-scale averaging under such conditions.
Moreover, this method is not accurate in simulating multiphase flow [85].
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In recent years, many researchers have studied the coupling of shale oil microscopic
and macroscopic flows more precisely, and have developed a dual-porosity model to study
the multiscale flow of shale oil [86–92]. We know that hydraulic fractures are the main
transport channel for oil and gas, and the pore structure of the shale matrix is the natural
storage space for oil and gas. Shale reservoirs have a typical double-porous medium
structure, and according to this feature of the reservoir, a coupling model of double-porous
media, which considers the oil and gas flow in the matrix, oil and gas flow in the fractures,
and reservoir deformation, can be established, as shown in Figure 15.
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The microscopic flow mechanism of shale oil has been elucidated in the above section,
which mainly includes adsorption, resolution and diffusion, etc., specifically in terms
of density/velocity inhomogeneity, and the corresponding mathematical model can be
established; the flow of shale oil in hydraulic fractures follows Darcy’s law; the oil reservoir
also changes during the extraction process, following the rock equation of state; reservoir
permeability changes and pressure changes, etc., can also be taken into account. The
model then sets the same flow rate or pressure at the boundary of different media, thus
coupling the above-mentioned multiscale flow in the reservoir development process, and
the established mathematical model is solved numerically to realize the dynamic simulation
of the reservoir development process. Su et al. [87] established a dual-porosity model to
explain the quasi-steady cross-flow between fracture and matrix consisting of viscous flow
and the steady adsorption and desorption process. Zhang et al. [88] used fractal theory
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to describe the stimulated reservoir volume (SRV) in order to characterize the complex
fracture network structure after hydraulic fracturing, and coupled fractal relations with a
dual-porosity model to establish a new semi-analytical model for simulating the effectively
stimulated volume of fractured wells in tight reservoirs, which simulates the flow of shale
oil in the fracture-modified reservoirs, as shown in Figure 16.
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At present, the characterization of the fracture network is still relatively simple in
most of the studies, and the complex fracture network structure is usually replaced by a
few straight lines, which is obviously not accurate enough. Many previous studies on the
formation of the fracture network of hydraulic fracturing have been conducted, and there
are various numerical simulation methods (such as XFEM, DDM, and DEM, etc.), that can
simulate the expansion of hydraulic fracturing under specific conditions. However, it is
difficult to solve the coupled model under the complex fracture network, and solving the
dual-porosity model while considering multiple micromechanical behaviors under the
macroscopic complex fracture network is also a major difficulty in the research.

4. Conclusions and Perspectives

In this study, we briefly summarized the recent advances in the oil flow mechanism in
shales and numerical simulation methods in shale oil flow. The shale oil flow in organic and
inorganic pores of the shale matrix is considered to still follow the continuity assumption,
but, in fact, the flow will be affected by microscopic effects. The interaction between
fluid molecules and solid walls leads to the nonuniform distribution of the viscosity
and density of shale oil. The flow near a certain thickness of the wall is affected by
velocity slip and viscosity/density inhomogeneities, and the traditional Darcy’s equation
and Hagen–Poiseuille equation cannot accurately represent the flow state of shale oil.
Currently, some scholars are calculating the shale oil flow by considering the slip length,
introducing effective viscosity, or conducting zoning studies on the fluid in nanopores
before subsequently introducing a modified Darcy’s equation for the apparent permeability
to facilitate the engineering calculations.

Since the shale oil flow in the nanopores of the shale matrix involves the study of
the molecular scale, the MDS is widely used in shale oil flow with accurate simulation.
It can consider the complex interactions between molecules near the solid–liquid contact
surface during shale oil flow, and the microscopic parameters such as the velocity/density
distribution obtained by MDS can be used as the basic parameters of the LBM and PNM.
However, in the current study, when simulating fluid flow in organic and inorganic pores
using MDS, only a range of tens of nanometers can be simulated, which is 1–2 orders
of magnitude smaller than the real pores of shale, and we know that the slip length
converges towards zero for increasing pore diameters; therefore, whether the microscopic
parameters, such as the velocity/density distribution, currently obtained by MDS can
reflect the real situation is also debatable. The LBM is easy to program, efficient in parallel,
and can handle complex geometric boundary problems. It has been gradually applied to
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study the flow mechanism of microscopic porous media in recent years, while the PNM
is computationally simple and efficient because it models the real pore network of rock
samples. Applying shale oil microscopic transport parameters (slip length and near-wall
fluid viscosity/density) and wall roughness, tortuosity, and inhomogeneous wettability to
the LBM and PNM is an existing problem that requires further study.

Shale oil macroflow is the flow in millimeter-scale hydraulic fractures after hydraulic
fracturing modification, which follows Darcy’s law, and a dual-porosity model is proposed
in order to couple shale oil microflow and macroflow. This model theoretically allows us to
fully consider the respective influencing factors in the microscopic and macroscopic models
and couple the microscopic and macroscopic flow models by setting the same boundary
conditions at the boundary and solving them numerically. However, in many cases, taking
multiple influencing factors into consideration can make the coupled model complex, and
it is difficult to solve the model of the fracture network structure under complex conditions.

In order to improve the shale oil recovery rate and alleviate the energy crisis, we
should clarify the shale oil fugacity and percolation mechanism from the microscopic
nanopore perspective, fully consider the coupling effects of various microscale effects,
establish a more comprehensive shale oil percolation model, combine the advantages
of the various existing microscale simulation methods, and develop numerical methods
that ensure the accuracy of the calculation. From a macroscopic reservoir perspective,
volumetric modifications and hydraulic fracture expansion mechanisms should be studied
to improve shale reservoir permeability. In this way, the state of shale oil flow can be
clarified at each step of production so that the production methods can be adjusted to
extract the maximum amount of shale oil.
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